Thermally induced fractures, TIFs, occur in almost every water injection well. They are the result of the cooling of the reservoir rock as water reaches the sand face and near wellbore area. This cooling generates a contraction in the rock that results in a change in reservoir mechanical properties and the near wellbore stress conditions. The importance of understanding and engineering the process of TIFs is quite often underestimated, as TIFs are assumed to happen as under normal injection conditions. However, how TIFs are generated has a large impact on areas such as casing and reservoir isolation, well integrity, injectivity profile and eventually pressure support or water disposal strategies. This paper presents the results of technical and field efforts carried out to overcome a variety of problems in water injection wells in two (2) particular types of reservoir: a high permeability (> 0.8 Darcy) and a very low permeability (< 0.03 Darcy); both sandstones located in the North Sea. Work was carried out in four(4) wells to utilize TIFs as a tool to maximize water injection and minimize well and reservoir integrity issues. This paper presents in detail the design process, its operational implementation and the results obtained for each reservoir. In both types of reservoirs, TIFs has allowed us to restore long term injectivity by overcoming a large number of constraints such as high levels of formation damage, varying formation strength for different type sand face completion design (open hole and cased/perforated) and well configurations.
INTRODUCTION
Thermally induced fractures (TIF) can occur in rocks as a result of cooling caused by the contrast in temperature of the injection or circulation fluid and the reservoir rock (Kessler et al 1994) . TIF is common in water injection wells, as the injection fluids enter the near wellbore area of the reservoir, its lower temperature starts a heat transfer process whereby the injection fluid is being warmed up and the rock is being cooled (Zoback 2007) . The resulting effects tend to be the mechanical failure of the rock at the wellbore which results in fractures. A number of examples can be found; for instance in HPHT wells, circulation of new drilling fluid in the wellbore can cause a reduction in temperature sufficient to cause rock failure. TIF is typically associated with a significant reduction in injection pressures (and an increase in injection rate) in water injection wells. In some cases operators introduce a cooling effect by circulating injection fluid (including produced water) through long piping arrangements in order to dissipate the heat carried and reduce its temperature (Tovar & Navarro 2008) prior to injection. The benefit of an engineered use of TIF as a methodology to initiate or enhance injectivity in water injection wells is not obvious as TIFS are commonly considered to be a natural consequence of the injection process.
However, a detailed engineering design and implementation of TIF can lead to a number of operational, technical and economic advantages such as overcoming formation damage, faster initiation of injection, reduction in equipment size and enhanced long term injection performance in terms of pore pressure maintenance and hydrocarbons recovery. An engineered approach may, in some reservoirs, also allow the targeting of TIFs in specific layers.
The work presented covers the experience gained by carrying out TIFs in two (2) types of sandstone reservoirs in the North Sea; the high permeability (i.e. >1.0D) Nautchlan sandstone typically found in block 22/2a is the reservoir for the Alba and Chestnut fields and the Forties sand in block 22/14 which forms the reservoir for the Huntington field among many others.
FUNDAMENTALS OF TIF
Thermal stresses make the stress concentration around the wellbore more tensile in all directions (Zoback 2007) , these stresses can be represented in a simplified manner assuming a steady state and using the following equation
Determination of the changes in main principal horizontal stresses and formation breakdown pressure as a result of a change in temperature are two (2) of the most important parameters in TIF operations. Figure 1 illustrates the change of minimum horizontal stress as a function of water injection rate hence cooling for the Forties formation A change in the rock mechanical properties as a result of a change in temperature has also been reported in literature, the effect of temperature on the formation-wellbore strength system from a mechanical performance standpoint has been investigated before (i.e. Charlez 1997 , Maury & Sauzay 1987 , Fjaer et al 1992 , Guenot 1989 ).
An increase or decrease of the strength of the system can be observed as a function of temperature. It is also known that such an increase is a function of the rock petro-physical properties and in particular the mineral composition.
Unconfined Compressive Strength
Range ( A model to determine the change in formation strength as a result of temperature changes was proposed (Navarro & Tovar 2008 ) based on large core testing programs using various types of sandstone rocks, the basic model can be expressed using the following equation.
S ~ 258 e -9 φ + E*C*T
In practical terms this reduction in temperature affects all the mechanical properties of the rock and the local stress field at the near wellbore. Depending on the mineral composition of the rock, temperature changes can cause varying near wellbore conditions depending on the application. The changes can be significant in terms of reduction of strength as in this case but it can also result in an apparent increase in strength for clean sandstones as illustrated in figure 2.
However, this increase is limited to the clean section, the matrix strength are significantly reduced which could lead to sanding problems in later well life. These variation will have a large impact in any wellbore treatment and operations that involve cooling the near wellbore area such as replacement of the mud while drilling HP/HT wells, inducing sanding at start-up of production after treating the near wellbore (scale inhibitor or stimulation treatment).
TIF DESIGN PROCESS
Thermally induced fracturing can be used for a number of applications. The process involves cooling of the near wellbore through the injection of fluids at pressures below the fracture pressure. This makes it an ideal process to overcome injectivity (or production) impairment at the wellbore. Overcoming near wellbore damage by creating high permeability channels from the wellbore at low rates and pressures offer a number of advantages over hydraulic fracturing. In particular the process does not require the high pressures associated with hydraulic fracturing. This means lower stresses on the completion and lower hydraulic HP.
The reduction in the required pump spread can be a pivotal operational advantage of achieving a fracture in this way.
The dimensions of the resulting fractures are constrained radially to a few hundred feet from the wellbore (< 300 feet); vertical growth is also constrained as integrity of the barriers can be easily controlled depending on the methodology used to generate the TIFs. The cooling process can also be localised depending on the application, the weaker rock under lower in-situ stress conditions are typically fracture's initiation points, and they can be targeted in both open hole and cased hole completions. In other words, fracturing can be initiated at a selected depth in the reservoir. The design process for this type of treatment requires that steady state temperature at constant injection rates be determined.
This can be done using NODAL™ analysis methods in order to understand the potential injectivity/productivity of the well and estimate the level of total skin present. A target injection rate can then be assumed and the reduction in temperature estimated for that particular rate. From the geomechanical model, the formation breakdown pressure (Pb) and the minimum horizontal stress (σ h ) magnitudes are then determined for each temperature change. Localization of the fracture initiation point through the reservoir can be identified from well logs, strength and stress curves. This last point needs to consider how the near wellbore has been affected by formation damage particularly plugging and deep solids invasion. A localised fracture implies cooling by circulation at certain depth otherwise a TIF can be induced by simply bull heading cool fluid and assuming that fracture containment can then be achieved, no control on fracture vertical growth can be established in this case.
Operational considerations such as horsepower required and maximum pumping pressures can then be estimated based on well performance analysis and equipment specifications. In many cases, particularly in new injectors where target rates cannot be achieved from the initiation of injection, TIF will be induced based on an injectivity test carried out to determine friction and maximum injection rates at pressures below the reservoir's fracture gradient.
With the job design completed then operational planning can start to take place and issues such as well configuration for the treatment, water conveying method (Coiled tubing, tubing, casing or open hole) can be selected. Well integrity constraints will define the surface pressure limitations for the treatment. Fracture pressure will also define surface pressure conditions.
OPERATIONAL PLANNING
Operational planning is focused on delivering the design rates for the required time to generate the fractures. Therefore, equipment sizing, positioning on the platform, fluid selection, filtration systems and data monitoring equipment must be selected, installed and tested.
The following photograph in figure 3 illustrates the rig up for the CT/pumping operations in well H1 in the Huntington field prior to the TIF treatment. Identification of the selected methodology will have a major impact on the logistics and cost of the treatment, rig-based or platform based equipment is one of the main decisions to make for TIF planning. Whether the treatment aims to create a fracture at a specific depth or not focusing on fracture location will have a large impact on the operational planning and cost of the treatment, particularly for offshore operations.
Particular attention to the issue of formation damage must be considered. Fluid compatibility with both well and reservoir fluids is of critical importance, adverse chemical reactions and incompatibilities can generate damaging material that will be injected in the fractures making its removal very difficult. The following photograph illustrates the material collected at surface from the injection fluid during the well cooling stage for the TIF treatment in well H1. 
CASE HISTORIES
Two (2) case histories are presented; one for a high permeability reservoir with three (3) wells, a producer, an injector and a sidetracked injector. For the low permeability reservoir, TIF operations in one (1) injection well is presented.
High permeability reservoir
The Nautchlan sand is the producing reservoir in the Chestnut field and is located in the UK Central North Sea in licence block 22/2a. It is operated by Centrica Energy Upstream on behalf of it's partners (Dana Petroleum and Atlantic Petroleum). The reservoir is a high quality sandstone of Eocene age with permeability range of 1-2 Darcy. Due to post depositional re-mobilization and injection of the sandstone, the reservoir architecture is complex. A field map location is presented in Appendix A.
The field was developed with 2 subsea producers and one water injector tied back to the Hummingbird FPSO. First oil was achieved in September 2008. The main reservoir and fluid properties are presented in the table below. The process and plant is composed of two stages of separation to stabilise the crude before routing it to cargo. Produced water from the first stage separator is routed through a produced water hydrocyclone and on to a produced water degassing vessel before being discharged overboard. Sea water is used for water injection and pressure support, treatment consist of coarse filters (80 µm and 50 µm) for solid's separation and a deareator to reduce oxygen content. The first injector (well 12) was designed with an open hole section through the reservoir and an expandable sand screen using well data from the producing well (well 16y). Could you help write a little introduction about 16y. After almost 2 years of service, significant reduction in the injection rates were noted after well and plant shutdowns over a period of 6 months. This is a common indicator of sandface failure induced by the water hammer effect. A subsequent sidetrack (well 17) from well 12 was eventually drilled to replace the failed injector. A cased and perforated sand face completion design was implemented using high shot density charges and a large sump (> 500 feet).
Original Nautchlan Reservoir and Fluid Properties
Reservoir mechanical properties and well design have been previously documented (Tovar 2008 , Tovar et al 2010 . Figure 5 illustrates the formation breakdown pressure and minimum horizontal stress at the reservoir. During the start-up of both wells, injectivity and production impairment was identified; skins of up to 7 were measured. These problems forced the operator to develop alternative options to overcome the existing near wellbore formation damage.
22/2a-16y
Range ( Job design and operational planning was kept simple and focussed on using a pressure/rate cycling approach to try to initiate injectivity at pressures below the fracture gradient. The results indicated that both wells were fractured, the injector (well 12) hydraulically and the producer (well 16y) thermally. Figures A1 to A4 in appendix A illustrates operational records during the pressure cycling to try to inject in all wells, it took a long time for wells 16y and 12 as injection was always at pressures below the fracture gradient. For 16y (figures A2 & A3) the thermal effect is clear as injection pressures of around 5000 psi at 0.5 bpm were kept constant.
The reduction in temperature during this period resulted in a reduction in the formation breakdown pressure which leads to fractures being induced. A calibration process was carried out to estimate fracture location and dimensions as illustrated below.
22/2a-12
Range ( 
Fracture location and estimated dimensions
Figure A-5 in appendix A illustrates the pressure and rates recorded from the start of injection on well 17 (sidetrack). A decrease in pressure associated with the thermal effect at the near wellbore can be noticed almost for every rate change during the fracture propagation stage of the treatment. They are short steps as the rate was increased in order to continue to propagate the fracture and reach maximum injection rate. An operational event (pumps tripping on an over pressure setting) can be clearly noticed.
Low permeability reservoir
The Huntington field is located in block 22/14b in the CNS, it is being developed by E.On E&P and its partners. The field development plan is to drill four producers and two injectors. The strength of acquifer support is unclear, however injection wells are required to dispose of significant volumes of produced water in later field life. The target reservoir is the Forties Sandstone and is located at ~ 8700 ft TVD. Wells H1 and H6 are the water injectors in Huntington, Well H1 was completed cased and perforated (> 900 feet perforated interval) through the Forties. H1 was perforated in three trips by running 3 3/8" through tubing guns (25 gr HMX charges) on coiled tubing at a density of 6 shots per foot. The predicted length of the perforation tunnels were on average ~ 29.7 inches.
Very large post-completion skins were measured and the well was immediately deemed to require remedial work in order to achieve a minimum injection potential. Water injection test were carried out to investigate the potential of the well to accept water at pressures below the fracture gradient, the results are presented in figure B1 in appendix B. A detailed review was carried out to identify the main damaging mechanisms and potential options to remove the near wellbore skin. Well performance models were developed for a single and a multilayer reservoir to determine the ability of the reservoir to take fluids and the level of injection impairment. The intervention strategy to improve injectivity on H1 included both chemical treatments and TIF with CT and pumping equipment. Initial chemical treatments demonstrated a minimal improvement before the operation progressed to the planned TIF procedure. An operational design strategy for H1 involved the creation of a localised TIF instead of inducing a fracture at a uncontrolled depth in the reservoir. This was because the upper and lower reservoir barriers are of a lower strength than that of the main reservoir body as illustrated in figure 6 . The treatment was designed using CT equipment in order to position the tubing at the depth where the fracture was to be initiated.
CASE

UCS -22/14b-H1
Range (MD) : 11300.00' -12300.00' Scale : 1:1800
Depth ( Table 3 illustrates the three (3) pumping stages proposed: a circulation test was designed to quantify the friction pressures involved in pumping through both the CT and the tubing string. The final step was the fracture propagation step in which once the fracture is initiated propagation is attempted until the maximum pressure limit is reached. The cooling step through circulation allows the reduction of the formation breakdown pressure and initiates the fracture. Typically a target rate or injectivity index are set in order to define the objectives and once reached terminates the operation. Equipment sizing and requirements were identified and are presented in appendix B, figure B3 .
Formation Breakdown Pressure
Range ( After completion of the operations a pressure log was run to identify the most likely areas where any TIFs were induced, the results are presented in figure 7 in the previous page. The blue dots indicate the location where temperature changes (cooling) were measured, injection rates of over 14 bpm (> 20000 bwpd) were recorded at pressures well within the limits of the surface injection equipment ratings. This compares with injection rates of around 3 bpm before TIF.
CONCLUSIONS
Based on the experienced gained in both high and low permeability reservoirs we conclude that TIF can be an effective method to address near wellbore issues such as high skin and production/injectivity impairment.
The impact of temperature reduction in high or low permeability formations appears to be limited to being easier to fracture the high permeability rock (lower Pb). High leak-off typical of high K rock did not impact the success of the treatments.
In our cases the levels of near wellbore damage for both types of reservoirs were so high that leak-off was never an issue and TIF initial injection rates were low (< 2.0 bpm).
Execution of TIF treatments were a matter of hours/days and not weeks, bearing in mind that all four(4) wells were subsea and most operations carried out from the rig.
The key elements of an engineered design TIF are knowledge of the mechanical conditions in the field (stresses, mechanical properties, and pore pressure), temperature and petro-physical properties of the reservoir.
Operationally, TIFs can be designed to be a localised treatment where the fracture is initiated at an specific depth or a random treatment, were injection fluids are bull headed from surface and fractures are generated at a depth through the reservoir were fluid injection might occur.
The issue of inflow impairment (skin) at the near wellbore is very important as it will drive the areas where cold fluid will be injected into the reservoir. Impairment can be investigated using fluid and solid's invasion models.
A detailed testing program in terms of fluid compatibility, solids invasion and rock fluid interaction will contribute significantly to the design process for TIF and the determination of potential inflow locations through the reservoir.
TIF is a repeatable process that can occur after every well shutdown and start-up of injection. It can also be particularly useful in high temperature and high pressure reservoirs where formation breakdown pressures are very high and trying to hydraulically fracture the formation will jeopardize well integrity. 
